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Abstract 
Organic-rich gas shales appear to behave similarly to coal and desorb methane while preferentially adsorbing CO2. In 
addition, the pore volume c -adsorbed) methane is expected to be available for CO2 storage, 
especially where previous hydraulic fracturing has enhanced injectivity. In theory, CO2 injection into organic-rich gas 
shale could provide dual benefits of incremental recovery of methane and secure CO2 storage.  
This paper will report on research to date, sponsored by the U.S. Department of Energy, to assess factors influencing 
effective CO2 storage capacity and injectivity in the Marcellus Shale in the Eastern United States. Geological 
characterization was conducted that estimated total gas in-place and theoretical maximum CO2 storage capacity 
within the Marcellus Shale. Theoretical maximum CO2 storage capacity assumes 100% of methane in-place, either as 
CO2.  
Detailed reservoir characterization was conducted to determine depth, thickness, total organic carbon, effective 
porosity, apparent gas saturation, CO2 and methane adsorption isotherms, and permeability. Total gas in-place and 
maximum CO2 storage capacity are extrapolated for the study area where depth to the Marcellus exceeds 915 meters 
(3,000 feet). Estimated total theoretical maximum CO2 storage capacity is 1.12 million metric tonnes per square 
kilometer (MMt/km2), of which adsorbed CO2 storage capacity is estimated to be 0.72 MMt/km2.  
Detailed reservoir simulation was performed to develop a better understanding of the shale characteristics influencing 
storage capacity and injectivity. The work focuses on areas that may be optimal for CO2 storage due to over-
pressured reservoir conditions, attractive shale thickness, and current gas production. A reservoir model was 
developed based on these data, and reservoir simulation was performed using Advanced Resources Internati
proprietary reservoir simulator COMET3. Simulated production results were compared to available data within the 
study area to demonstrate that the reservoir models are representative of existing field conditions. CO2 injection rates 
are estimated via simulation to predict the incremental volume of methane produced, the total volume of CO2 to be 
potentially stored, CO2 plume dimensions, and the disposition of CO2 in the reservoir over time.  
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1. Introduction and Objectives 
Building upon advances in horizontal drilling and hydraulic fracturing technologies, production of 
natural gas from organic-rich gas shales is rapidly developing as a major hydrocarbon energy supply 
option in North America and around the world. Gas shale formations may also represent potential targets 
for the geologic storage of CO2 based on trapping through adsorption on organic material, although this 
has not been demonstrated on a field scale. The same technologies  horizontal drilling and hydraulic 
fracturing  contributing to the recent rapid development of shale gas also opens up the possibility of 
using shale formations as storage media for CO2 by increasing permeability and injectivity, allowing 
storage to potentially be more cost effective. 
Organic-rich gas shales are recognized as sharing some of the same methane storage characteristics as 
coal seams. Natural gas is adsorbed on kerogen and clay surfaces in gas shales. Gas is also stored as 
-adsorbed) gas in fracture porosity and inter-granular micro-porosity, as well as in micro-pores 
commonly observed in the kerogen of thermally mature shale (intra-kerogen porosity). The relative 
dependent 
on the specific characteristics of the shale gas play.  
Of the various options for CO2 storage, storing CO2 in shales has particular advantages.  Relative to 
storage in saline aquifers, CO2 injection can enhance methane production, the revenues from which can 
help offset the costs of storage. Another benefit is that the risk of leakage is low, as the in-place methane 
has proven that adsorption, retention and seal have been effective for millions of years. Finally, gas shales 
are widespread; and significant concentrations of large CO2 emission sources exists in areas with 
substantial shale gas resources, such as the eastern United States, where finding suitable geologic storage 
sites has proven difficult.   
2. Methodology for Assessing CO2 Storage Potential in the Marcellus Shale  
The Marcellus shale is the lowermost formation of the Middle Devonian age Hamilton Group. The 
-rich zones, the black shale, at the base of the 
Marcellus Formation.  The names and subdivisions of the Marcellus shale change across the states in 
which it exists. A simplified stratigraphic correlation chart for New York, Pennsylvania, West Virginia 
and Ohio is shown in Figure 1, which illustrates the location of the Marcellus black shale above the top 
of the Onondaga limestone and equivalent formations. 
Geological characterization of the Marcellus shale builds upon the previous work by the United States 
Geological Survey [1],  state geological surveys [2,3,4], the New York State Museum [5,6], and industry 
data and analyses that are becoming  available [7,8].   
Although numerous CO2 sorption measurements for coals under various conditions have been 
published, reports on CO2 sorption isotherms on shales at high pressures are sparse. Nuttall, et al. [9] 
investigated carbonaceous Devonian black gas shales from Kentucky. They found a direct positive 
correlation between CO2 storage capacity and total organic carbon (TOC), whereas no correlation with 
the clay mineral content was observed.  In addition, drill cuttings from the Kentucky Geological Survey 
(KGS) Well Sample and Core Library were sampled to develop CO2 adsorption isotherms.  
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For this report, methane gas in-place is estimated for the Marcellus from petrophysical analyses of 
pubic well logs. Theoretical maximum CO2 storage capacity is estimated using averaged methane and
CO2 isotherms for the Marcellus obtained from wells in New York [10] and Pennsylvania, as shown in 
Figure 2.
Figure 1. Stratigraphic Correlation Chart for the Marcellus Shale in the Appalachian Basin
Figure 2: New York Marcellus Methane and CO2 Adsorption Isotherms
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Figure 3 shows the study area outline and the locations of 147 digital study wells used for this 
analysis.  The well data set was compiled from public log data obtained through the New York, 
Pennsylvania, West Virginia and Ohio geological surveys.  Digital log data (LAS) files were not available 
from public data sources for many wells, so the raster logs available for these wells were digitized. All 
study wells contain at least a gamma ray log through the Marcellus, from which TOC can be extrapolated 
and adsorbed gas in-place estimated. Sixty-seven study wells have a complete log suite consisting of 
gamma-ray, density and resistivity through the Marcellus. This subset of wells was used for calculating 
free methane gas in-place and estimating maximum CO2 storage capacity as non- CO2. 
Figure 3: Index Map Showing Study Wells and Cross-Section 
 
The following basin-wide Marcellus Shale attributes were determined from digital logs wells: 
 Vertical thickness 
 Total organic carbon, TOC 
 Gamma- - -
methane and CO2 
 Adsorbed methane gas in-place per unit area, and total adsorbed methane in-place per unit area, as 
well as theoretical maximum CO2 storage capacity by adsorption. 
 Density porosity (corrected for TOC content) 
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From these data, effective (gas-filled) pore volume, (which assumes water saturation calculated using 
a Simandoux algorithm, is immobile), -adsorbed) methane gas in-place, and theoretical 
maximum CO2 storage capacit -adsorbed) was estimated.  The proportion of adsorbed 
methane and CO2 was estimated using Langmuir coefficients based on the available isotherm data and 
estimated temperature and pressure estimates based on depth.  Areas of apparent reservoir over-pressure 
and under-pressure were represented by varying the assumed reservoir pressure gradient for each study 
well.  Reservoir pressure gradients were estimated from a map of regional Marcellus pressure trends 
published by Zagorski, et al. [8]. 
3. Results  Assessment of Theoretical CO2 Storage Potential in the Marcellus Shale 
The end result of the log calculations are estimates of total methane gas-in place for the Marcellus, and 
theoretical maximum CO2 storage capacity including an adsorbed component and non-adsorbed 
component in terms of volume per unit area. These units were selected for ease of scaling the results to 
estimate gas resource in-place or CO2 storage capacity for any well spacing of interest.  
Total gas in-place and CO2 storage capacity were extrapolated from the individual well log 
calculations for the counties shown within the boundaries of study areas. Calculated gas in-place and 
storage capacity values per unit area for each county were multiplied by the approximate county area 
contained within the Marcellus boundaries of the study area where the subsurface depth of the Marcellus 
exceeds 915 meters (3,000 feet). Finally, county totals of Marcellus gas in-place and theoretical 
maximum CO2 storage capacity (for depths greater than 915 meters) were summed.  State totals of gas in-
place and maximum CO2 storage capacity are summarized in Table 1. Estimated total theoretical 
maximum CO2 storage capacity is 1.12 million metric tonnes per square kilometer (MMt/km2), of which 
adsorbed CO2 storage capacity is estimated to be 0.72 MMt/km2 and maximum non- CO2 
storage capacity is estimated to be 0.4 MMt/km2.  
In total, total gas in-place in the Marcellus is estimated to be over 82 trillion cubic meters (Tm3).  Of 
this, over 16 Tm3 is estimated to be adsorbed gas in-place, and 66 Tm3 is estimated to be non-adsorbed, or 
'free', gas in-place. Consequently, if all of this methane could be displaced, 162 billion metric tons 
(Gigatonnes) of theoretically maximum storage capacity is estimated to exist in the Marcellus Shale.  
Almost 105 Gt of potential capacity is estimated to be associated with the adsorption of CO2 within the 
pore space of the shale, and over 57 Gt is estimated to be associated with -adsorbed) pore 
space and fractures within the shale originally occupied by methane but then displaced by CO2. 
4. Preliminary Reservoir Models and Simulation 
Because of the very low permeability generally characteristic of gas shales, it has been assumed that 
the injectivity of CO2 would be too low to be effective. However, horizontal wells and multi-stage 
massive hydraulic fracture stimulations leading to early gas production rates in gas shales of 200 to 1,000 
metric tons per day per well (4 to 20 million cubic feet per day (MMcfd) per well), comparable to CO2 
injection rates in the high quality saline formations, may alter this impression. This completion technique 
has advanced the technical and economic feasibility of producing natural gas from low permeability shale 
reservoirs. Although the produced gas rate falls quite rapidly at early time, the new concept is that these 
completion and stimulation techniques may provide sufficient injectivity for viable CO2 storage. 
The intent of these reservoir simulations reported is to estimate CO2 injection rates into a gas shale 
reservoir, the rate at which adsorbed methane is displaced from the shale by CO2, the total volume of CO2 
stored, the initial dimensions of the CO2 plume, and the disposition of the CO2 in the reservoir over time. 
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These estimates are made under alternative field development strategies. 
For purposes of this set of simulations, data was provided by an operator in Northwest Pennsylvania. 
The subject horizontal well was drilled to a depth of nearly 1,770 meters (5,800 feet), with an 
approximately 700 meter (2,300 foot) lateral in the primary target, the Union Springs shale formation. 
The well was fractured with a 20-stage treatment; the main fracturing fluid used for all the stages was 
slickwater fluid with 40/70 mesh proppant. When the history-match exercise was started, the well had 
been on production for almost a year. 
The reservoir simulator used for the study was  proprietary COMET3 model. A 
triple porosity model was constructed in order to adequately represent the release and transport 
mechanism for gas-bearing shales. Details on the model theory are provided in Reference 11. 
A gas-
micro-pore matrix system within the shale, (2) molecular adsorption within micro-pore matrix system, 
and (3) the natural fractures or cleats within the shale. In COMET3, two distinct systems are represented: 
the micro-pore matrix system and the fracture/cleat system. To take into account the micro-porosity 
system, each matrix block is sub-divided into smaller grid blocks. The release and transport mechanisms 
for this type of reservoir system are characterized by a combination of desorption, diffusion (within the 
matrix), and Darcy flow through a dual permeability system. The triple porosity/ dual permeability 
system assumes that there are two parallel hydro-dynamic systems (fracture and matrix) in the reservoir 
and desorption and diffusion of gas occurs within the matrix. 
A cross-section of the zones encountered during the well drilling was provided by the operator and 
thus allowed to precisely model the various shale layers encountered, as well as representing the 
appropriate well length in each zone.  
Four different shale zones from the Middle Devonian were modelled (top to bottom): 
 Aggregation of several minor shale layers (Stafford, Levanna and Skateaneles) 
 Oatka Creek 
 Cherry Valley 
 Union Springs (main pay zone) 
Elevation and thicknesses for each layer are summarized in Table 2. Included in the last column is the 
modeled length of the well in each shale zone encountered, as compared to the real drilled length (in 
parenthesis) as reported by the operator. No dip was assumed as the surface in the area of interest is flat.  
However, the existence of a syncline at middle distance of the well is known and was implemented in the 
model by a localized elevation change. 
Three methane isotherms were available from a vertical well in the vicinity of the studied horizontal 
well, each taken from different depths within the productive section in the Marcellus. An average 
isotherm was used in the simulator. 
An initial pressure gradient of 7.6 kilopascals (kPA) per meter of depth (0.58 pounds per square inch 
(psia)/foot) was assumed in the simulator based on communication with the operator. 
Matrix permeability encountered along the well was assumed to vary between 100 nanodarcies (nD) 
and 1,000 nD and averages 520 nD. Permeability was assumed to be isotropic in all directions (horizontal 
and vertical). Gas-filled porosity in the area of interest averages 7% and varies between 5% and 10% 
along the well. Both sets of relative permeability curves (matrix and fracture) were assumed to be straight 
lines for a lack of better information. 
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The model assumed coverage of an area of 4.7 km2 (1,170 acres) with the boundaries based upon the 
existence of another producing branch from the horizontal well. Each grid block was 30 by 30 meters, for 
a total of 20,400 grid blocks, all active.  
The well was fractured with a twenty-stage treatment (slickwater fluid with proppant). The micro-
seismic data obtained during the treatment were analyzed. A detailed micro-seismic report was available 
and used as a guide to define a fractured area around the horizontal well in the model. 
T
decreasing the size of the sub-blocks, the intensity of the fractures inside the matrix is increased. The 
corresponding volume of water injected during the stimulation work was modelled by an increased water 
saturation in the fractured area (a scenario of water injection was tried first but with very low 
permeability values, run time was excessive). From communication with the operator, initial water 
saturation was set at 35% and increased to 70% in the fractured area (water volumes were checked to 
make sure the increased water saturation contributed correctly to the additional volume of water from  
fracturing). 
5. Results of History Matching 
The results of the model constructed were compared to actual production data for the well with the 
objective of obtaining an acceptable match to historical production.  During the history-matching process, 
producing gas and water rates. Table 3 below shows the list of the main parameters that were kept 
constant during the history-matching exercise and their corresponding values. Figures 4 and 5 illustrate 
the history-match results for gas and water production rates, respectively. The simulated gas rates (orange 
curve) are compared to the actual production gas data (red dots). Simulated water production rates 
(yellow curve) are also compared actual water production rates (blue dots).  
Figure 4: Gas Rate History Match 
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Figure 5: Water Rate History-Match
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6. Simulation Results and Interpretation
A limitation due to the sheer number of unknowns and generation of solution equations of the triple 
porosity model in COMET3 is the inability to model and track multiple components. As such, the triple 
porosity model was reduced to a dual porosity history-match. Since water production from the shale is
primarily coming from the micro-porosity network, the matrix porosity value of 7% was assumed in the
system, the fracture permeability value of 0.0025 mD was assumed in the dual-porosity model. In
addition, to account for the volume of water injected during the fracturing job, an average water
saturation of 55% (from the triple porosity model values of 70% in the fractured zone and 35% in the rest
of the model) was assumed. Given these assumptions, Except for early peaks, history matches were
satisfactory. Cumulative gas production for both cases were compared and found to be in accordance
within 5%, thus confirming the validity of the dual porosity model characterization.
Most reservoir characteristics from the triple-porosity model were kept identical for the CO2 injection 
scenarios except for two main differences
Instead of producing from the four shale zones, the well was assumed to be only completed in the
main pay z
completion (see Table 1).
The well was stimulated with the addition of a negative skin factor (instead of decreasing the matrix
block size, an option not available in the dual porosity model).
A line-drive injection pattern was designed to maximize the sweep efficiency between horizontal
producers and horizontal injectors in such a low permeability environment. Taking advantage of the
symmetry, and to be able to apply the results to any well length, the model was simplified with a 15 meter
cross-section of the horizontal well. The results can then be scaled up to represent the full well recoveries.
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Both the production well and the well that will eventually be used for CO2 injection are assumed to be 
produced at 1.0 kPa (150 psia) wellhead pressure for 10 years before CO2 injection starts. At that point in 
time,  one of the two wells is recompleted as an injection well, and injection begins, with 100% CO2 
injected for the following 10 years at an injection pressure based on the assumed pressure gradient. 
Various distances between the injector and the producer were tested to determine the distance between 
the injector and the producer for optimum CO2 storage and/or enhanced gas production. Results are 
presented in Table 4.  These results are only limited to the assumption that primary production from both 
wells occurs for 10 years, and then one well is converted to an injector, and CO2 injection and enhanced 
gas recovery occurs for 10 years. Different schemes would result in different results. 
Given this time frame for production and subsequent injection, the results indicate that an average 
distance of 60 to 75 meters between the injection and production wells appears to be the most favorable - 
providing 7% incremental gas production due to CO2 injection, a net CO2 storage volume of 0.67 million 
cubic meters per 15 meters of cross-section that was the focus of the simulation.  This case also resulted 
in low volumes of recycled CO2. 
A very short distance between injector and producer (the 15 meter case, for example) provides both 
high injection volumes due to highly depleted conditions from the primary production and the greatest 
amounts of incremental gas production, up to 10%. However, very little CO2 storage occurs as most of 
the CO2 is being reproduced.  
When the distance between wells is large (the 229 meter case, for example) CO2 injection volumes are 
lower because there is relatively little depleted pore volume available to accept the injected CO2. There is 
no CO2 reproduced as most of the CO2 does not even reach the production well. Consequently no 
incremental gas production is noticeable, although moderate volumes of the injected CO2 are stored.  
7. Conclusions and Recommendations 
There are numerous sources of uncertainty regarding these gas in-place and CO2 storage capacity 
estimates given the current availability and quality of data. These include: (1) limited CO2 and methane 
isotherm data, (2) lack of access to reservoir test data and sustained production data for calibration of the 
reservoir simulation, (3) representation of reservoir matrix and fracture properties in the reservoir 
simulation , (4) fracture density and spacing, fracture permeability, dominant fracture trends,  
The next steps will consist of continuing the reservoir simulation work to similarly assess the impact 
of other factors on enhanced gas recovery and CO2 storage potential, such as reservoir thickness; 
reservoir pressure gradient and injection pressure; timing of gas production and injection; well 
completion strategy; structural features, etc. This will involve applying economic analysis to assess the 
impact of gas price, production rate, and CO2 recycle costs on the most favorable well spacing scenarios 
to determine what injector producer spacing is optimal for a horizontal well line-drive injection scenario 
or other development scenarios. 
Recommendations for further work to refine and expand this analysis are focused on reducing or 
eliminating these uncertainties by acquiring additional reservoir and engineering data to improve the 
reservoir characterization, and industry input to investigate hypothetical development scenarios. 
Refining and expanding this analysis needs to focus on reducing or eliminating these uncertainties, 
acquiring additional reservoir and engineering data to improve the reservoir characterization, and 
incorporating industry input on possible development scenarios. 
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Table 1: Estimated Total Gas In-Place and Maximum CO2 Storage Capacity for Marcellus in Study Area for Marcellus Depth > 915 
meters  
Estimated Gas In-Place and 
Theoretical Maximum CO2 Storage 
Capacity for Marcellus in Eastern 
Gas Shale Study Area 
New York Pennsylvania 
West  
Virginia 
Ohio Maryland 
Total  
Study 
Area 
Potential CO2 Storage Area (depth 
> 915 m), hectares 
       
1,559,596  
      
6,489,327  
        
4,795,937  
      
1,393,421  
      
205,699  
   
14,443,980  
Potential CO2 Storage Area (depth 
> 915 m), km2 
            
15,596  
           
64,893  
             
47,959  
           
13,934  2057 
        
144,440  
Adsorbed Gas In-Place, billion 
cubic meters (Bm3) 
              
1,494  
             
8,520  
               
5,603  
                
645  
             
158  
          
16,419  
Non-Adsorbed, 'Free', Gas In-Place, 
Bm3 
              
7,189  
           
33,641  
             
21,698  
             
3,281  
             
293  
          
66,101  
Total Gas In-Place, Bm3 
              
8,682  
           
42,161  
             
27,301  
             
3,926  
             
450  
          
82,520  
Maximum CO2 Storage, Adsorbed, 
million tonnes, MMt 
            
11,049  
           
55,403  
             
34,299  
             
3,064  
             
731  
        
104,545  
Maximum CO2 Storage, 'Free', 
million tonnes, MMt 
              
6,654  
           
29,269  
             
18,754  
             
2,470  
             
252  
          
57,399  
Total CO2 Storage Capacity, 
million tonnes, MMt 
            
17,703  
           
84,672  
             
53,053  
             
5,533  
             
983  
        
161,944  
Total CO2 Storage Capacity per 
Unit Area, MMt/ km2 1.14 1.30 1.11 0.40 0.48 1.12 
 
Table 2: Elevation, Thickness and Well Length  
Shale Elevation                                      (meters below ground level) 
Thickness 
(meters) Well length (meters) 
Top Shales 1,727 25.9 122 (125) 
Oatka Creek 1,754 6.7 396 (405) 
Cherry Valley 1,760 0.9 152 (140) 
Union Springs 1,761 4.6 701 (714) 
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Table 3: History-Match Input Parameters  
Parameter Value Units 
Depth 1,728 meters 
Thickness 38.1 meters 
Water Saturation 35 % 
Pressure Gradient 13.1 kPa/m 
Methane Langmuir Volume 2.55 m3/ton 
Methane Langmuir Pressure 6,895 kPa 
Table 4: Enhanced Gas Recovery and CO2 Storage as a Function of Distance between the Injection and Production Wells for a 15 
Meter Cross-Section of Horizontal Well 
Distance 
between wells 
(meters) 
No Injection 
(million cubic 
meters) 
Injection (million cubic meters) 
Cum CH4 Produced Cum CH4 Produced Cum CO2 Injected Cum CO2 Produced Stored CO2 
15 0.18 (85.1%) 0.2 (95.3%) 1.10 0.72 0.38 
30 0.27 (83.0%) 0.3 (93.3%) 0.80 0.28 0.52 
46 0.35 (80.4%) 0.39 (89.5%) 0.72 0.11 0.61 
61 0.42 (77.5%) 0.46 (85.0%) 0.69 0.03 0.66 
76 0.48 (74.5%) 0.52 (80.3%) 0.67 0.00 0.67 
91 0.54 (71.5%) 0.57 (75.2%) 0.64 0.00 0.64 
122 0.63 (65.6%) 0.65 (67.1%) 0.60 0.00 0.60 
152 0.71 (60.1%) 0.72 (60.7%) 0.56 0.00 0.56 
229 0.83 (48.3%) 0.83 (48.4%) 0.47 0.00 0.47 
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